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A Novel Relative Permeability 
Model for Gas and Water Flow 
in Hydrate-Bearing Sediments 
With Laboratory and Field-Scale 
Application
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In a producing gas hydrate reservoir the effective porosity available for fluid flow constantly changes 
with dissociation of gas hydrate. Therefore, accurate prediction of relative permeability using legacy 

models (e.g. Brooks-Corey (B-C), van Genuchten, etc.) that were developed for conventional oil and gas 

reservoirs would require empirical parameters to be calibrated at various Sh over its range of variation, 

but such calibrations are precluded because of lack of experimental relative permeability data. This 

study proposes a new relative permeability model for gas hydrate-bearing media that is a function of 

maximum capillary pressure, capillary entry pressure, pore size distribution index, residual saturations, 

hydrate saturation, and four other constants. The three novel features of the proposed model are: (i) 

requires fitting its six empirical parameters only once using experimental data from any single Sh, and 

the same set of empirical parameters predict relative permeability at all Sh, (ii) includes the effect of 
capillarity, and (iii) includes the effect of pore-size distribution. From practical standpoint, the model 
can be used to simulate multiphase flow in gas hydrate-bearing sediments where the proposed relative 
permeability can account for the evolving hydrate saturation. The proposed model is implemented in 

a numerical simulator and the wall time required to perform simulations using the proposed model 

is shown to be similar to the time it takes to run same simulations with the B-C model. The proposed 

model is a step forward towards achieving the goal of physically accurate modeling of multiphase flow 
for gas hydrate-bearing sediments that accounts for the effect of gas hydrate saturation change on 
relative permeability.

Methane hydrate is a vast resource of methane gas1–5 that holds a potential to supply natural gas at industrial-scale 
to meet the ever increasing energy demand of the world. Currently, for a producing gas hydrate reservoir, under-
standing the dynamic nature of the relative permeability is challenging and difficult due to lack of experimental 
datasets in the literature for simultaneous two-phase fluid flow in gas hydrate-bearing sediments. The experi-
mental datasets on permeability existing in the literature6–10 are varying permeability of single phase flow (water) 
as a function of hydrate saturation, which is also referred by many researchers as ‘permeability reduction curve’. 
Although relative permeability of conventional reservoir rocks has been studied for a long time11,12, to our knowl-
edge, there seems to be no peer-reviewed literature on experimental relative permeability of combined gas and 
brine flow in hydrate-bearing sediments. Numerical simulations of gas hydrate uses empirical models13–16 (e.g. 
B-C, van Genuchten, etc.) that were originally developed for conventional oil and gas reservoirs. The empirical 
parameters of these models assume that porous media properties (e.g. rock heterogeneity, rock properties, etc.) do 
not change during production. However, in a producing gas hydrate reservoir, the effective porosity available for 
fluid flow constantly changes with dissociation of gas hydrate17,18, meaning that accurate prediction of relative per-
meability using such models would require empirical parameters to be a function of Sh. Practically, this may involve 
calibrating empirical parameters at various Sh over its range of variation, but because of lack of experimental  
relative permeability data such calibrations are precluded.
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To overcome the lack of experimental relative permeability data for gas hydrate, we recently proposed a mech-
anistic model19,20 for hydrate-bearing media that is based on physics and predicts relative permeability without 
the need for calibrations at various Sh. Although this mechanistic model19,20 can overcome the need for cali-
brations at various Sh, it may be computationally more expensive to use in a reservoir simulator than existing 
empirical models. The model proposed in this study, while overcoming the need for calibrations at various Sh, 
is expected to be computationally less expensive than mechanistic model19,20 and additionally it can account for 
heterogeneity in pore-sizes that is not possible using the mechanistic model.

This study proposes a novel relative permeability model developed specifically for hydrate-bearing porous 
media with multiphase flow of gas and water. Therefore, the model is referred, in short, as RPHCP for relative 
permeability of hydrate-bearing media with capillarity and pore-size distribution. Although relative permeability 
models of conventional reservoir rocks have been proposed with the effect of capillarity and pore-size distribu-
tion11,12,21,22, these models were not meant for gas hydrate as they do not account for evolution of permeability 
and multiphase flow as a result of dissociating gas hydrate. The approach used in deriving RPHCP, which is an 
analytical function of maximum capillary pressure, capillary entry pressure, pore size distribution index, hydrate 
saturation, and residual saturations, is discussed next. Next, RPHCP is validated against gas and water relative 
permeability data reported by Mahabadi et al.23 who used pore-scale simulations in gas hydrate-bearing sedi-
ments recovered from the gas hydrate deposit at the Mallik Site. The model is then used in a numerical simulator 
and compared for its computational expense against the B-C model, followed by a discussion on the practical 
implications of using the proposed model in simulations of gas hydrate-bearing media.

Model
Although correct prediction of relative permeability is central to multiphase flow studies in subsurface and other 
industrial applications, there is no standard method by which relative permeability is estimated. Typically, for lack 
of theoretical understanding and physics-based models, relative permeability is estimated through laboratory 
experiments, and the experimental data is then often fitted to one of the many empirical models to predict relative 
permeability for that rock. One such empirical model to predict relative permeability was proposed by Purcell24 
who developed an equation to estimate rock permeability by using capillary pressure data. The equation proposed 
by Purcell24 can be readily extended to different multiphase flow problems, and that equation is used as a basis to 
develop the model for gas hydrate-bearing sediments in this study.

Approach. The approach to derive relative permeability of hydrate-bearing sediments is based on the equa-
tion by Purcell24 who proposed an approach to infer rock permeability using capillary pressure data, which can be 
directly extended to estimate multiphase relative permeability for a water wet rock as follows:
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where, krw, krg, Sw, Pc are relative permeability of water, relative permeability of gas, saturation of water, and cap-
illary pressure, respectively. This equation is used to estimate relative permeability of water with two-phase flow 
in conventional reservoir rocks, but this equation cannot be directly used for other flow problems where more 
than two phases are present or where water is not the wetting phase. Therefore, the model proposed in this study 
is motivated by this simple equation that is modified appropriately to account for the boundary conditions of 
multiphase flow in gas hydrate-bearing media.

Capillary pressure model. Capillary pressure data is generally not available for most cases, and in such 
cases the capillary pressure term is often assumed to be a generic empirical function of saturation. However, even 
for cases where capillary pressure data is available, the standard practice is to fit data to a pre-selected empirical 
model for capillary pressure. Similarly, for the purpose of developing an analytical relative permeability model 
for gas hydrate per the Purcell’s approach, a capillary pressure equation that can be integrated is required. Many 
studies have proposed different methods to predict capillary pressure, including analytical25–28 and numerical 
methods29, but the choice of a capillary function used in this study is based on two requirements, which are: (i) 
it can be integrated analytically, and (ii) it is applicable to a porous medium. Based on these two conditions, a 
general capillary pressure model reported by Li25 is used as an expression to derive the proposed relative perme-
ability model for gas hydrate-bearing sediments. Even though there are more popular capillary pressure models 
(e.g. van Genuchten, B-C, etc.), they are either meant for unconsolidated porous media (e.g. van Genuchten) or 
for consolidated media (e.g. B-C), but the model proposed by Li25 is a generalized model that can work in both 
the consolidate and unconsolidated rocks. The capillary pressure term, shown below, was derived by Li25 using a 
fractal modeling technique and is applicable to porous media:
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Here, λP p p S S S S, , , , , , ,c max e wn w wr gr represent capillary pressure, capillary pressure at the residual saturation 
(residual nonwetting-phase saturation in the imbibition case and the residual wetting-phase saturation in the 
drainage case), capillary entry pressure for the rock (the minimum pressure required to force gas into a water-wet 
rock during drainage), pore size distribution index, normalized water saturation, water saturation, residual water 
saturation, and residual gas saturation, respectively. The parameter b is a factor that is a function of capillary entry 
pressure and maximum capillary pressure as shown by Eq. (3). Here, pore size distribution index (λ) characterizes 
the heterogeneity of rocks and using fractal theory it can be related to fractal dimension (Df) as D3 fλ = − , 
where Df is often less than 330, but it can be higher than 3 for highly heterogeneous media26,31–34 such as coal, 
Geysers rock, etc. In terms of λ, this means that porous media with larger heterogeneity have smaller values of λ 
and vice versa30,35. The capillary pressure shown above and used in deriving the proposed relative permeability 
model is a function of gas hydrate saturation, Sh, as ( )S S S1w h g= − + , therefore, the capillary pressure equation 

can be written as follows:
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Dissociation of gas hydrate leads to changes in curvature of the pores that also control capillary pressure to 
some extent, therefore, capillary pressure changes with Sh.

Ideally, for accurate estimation, the capillary pressure of fluids in gas hydrate-bearing media must be delin-
eated into capillary pressure of fluids in contact with gas hydrate and capillary pressure of fluids in contact with 
rock matrix; however, it may not be possible to develop such a model with the existing experimental data36 that 
provides an averaged capillary pressure without delineation of fluid contact.

Brooks-corey and other capillary pressure models. In the case when p
max
→ ∞ and λ > 0 (similar to Df < 3), 

→b 0, the above capillary pressure equation reduces to a limiting case of the widely accepted B-C model37. Since 
the B-C model has been widely used to fit capillary pressure data for many real rock samples, one can see that the 
above capillary pressure equation can be used to fit even those rocks where the B-C model may not fit well. 
Similarly, the capillary pressure model discussed above, which would be used to develop a new relative permea-
bility model for gas hydrate, can be reduced to other forms25, such as capillary pressure for imbibition and drain-
age, capillary pressure for a single capillary tube, etc.

Derivation of relative permeability model. Gas hydrate morphologies are widely described in terms 
of pore filling (PF), grain coating, load bearing, etc.3,38–41, especially for pore-scale studies. Field-scale studies 
indicate that in sandy gas hydrate deposits a dominant precipitation habit of gas hydrate is PF3,39. Most natural 
core samples show hydrate morphology as PF, plus the validation of models using field-scale data (e.g. Behseresht 
and Bryant42) have also provided evidence that gas hydrate is PF-dominated. Other precipitation habits also exist 
especially at high gas hydrate saturations, but for practical purposes and for field-scale studies assuming PF gas 
hydrate is a reasonable approximation. An equivalent relative permeability model for other morphologies can be 
also derived as shown for grain coating gas hydrate in Appendix (supplementary information). The hydrate mor-
phology is independent of the pore shape and gas hydrate can form in highly tortuous pore space. The derived 
model considers cylindrical pore shape for simplification. The conceptual model and the boundary conditions 
required to derive the proposed model are discussed next.

Derivation. PF gas hydrate is schematically shown in Fig. 1. Under continuous production, this type of hydrate 
morphology leaves an open annulus such that the wetting phase (water) is close to pore walls43–45. Based on exper-
imental observations43–45 it has been found that gas hydrate first forms at the grain boundaries and fills pore space 
as shown in Fig. 1(b). The conceptual model, depicting a cross-section of cylindrical pore space with PF gas hydrate 
and the products of gas hydrate dissociation, is illustrated in Fig. 1(a), whereas its continuum-scale representation 
in porous media with matrix (grains) before production is shown in Fig. 1(b). Experimentally, pore-filling hydrate 
has been shown to naturally become load-bearing hydrate when the pore saturation exceeds approximately 40%3. 
Hydrate formation models have been developed based on different hypothesis42,46–54 describing how hydrates are 
formed, which suggests lack of conclusive evidence on the mechanism behind formation of hydrates. In this study 
the conceptual model presented in Fig. 1(a) implies that gas hydrate is already formed in porous media and contin-
uous gas production leads to hydrate decomposition. Further discussion related to the distribution of fluids around 
gas hydrates and its effect on relative permeability can be found in our recent works19,20.

Model. Gas and water relative permeability are derived by using the boundary conditions from Fig. 1(a) within 
the limits of the integral as follows:
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Substituting the general expression for the capillary pressure (Eq. 5) in above two equations gives us:
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Correction for tortuosity. One of the limitations of the Purcell’s model that assumes a bundle of capillary tubes 
is that it considers ideal flow in porous media implying k k 1rg rw+ = . This neglects interfacial phenomena 
caused by phase trapping and the Jamin effect55 in real porous media that usually leads to k k 1rg rw+ < 12. It has 
been observed that this limitation in the Purcell’s model can be addressed by introducing correction for tortuosity 
that has a significant impact on the relative permeability11,12,21,56,57. Impact of tortuosity is especially amplified at 
pore-scale because of local variations within the pore network, but it may not be significant at continuum or 

Figure 1. A sketch depicting (a) a simplified capillary-shaped cross-section for pore filling hydrate with fluids, 
and (b) its continuum-scale representation in porous media with matrix (grains). The boundary conditions 
shown by this illustration are independent of the pore shape.
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field-scale where local variations are obscured by the continuum-scale flow. The corrections applied to account 
for tortuosity is some power of saturation, either two21,56 or three58. In view of the arbitrary nature of the power 
that may be specific to each dataset, the tortuosity correction for gas hydrates-bearing sediments is proposed 
more generally as follows:

β= .η
� ��� ���

k S k( ) ( )
(12)

ri corrected for tortuosity i i

correction

ri
i

where, βi (>0) and ηi (>0) are empirical parameters =i g w( , ) that account for porous media effects such as 
porosity and tortuosity.

Results
Validation. The proposed model is validated using the data reported by Mahabadi et al.23, who used a 3D pore 
network model extracted from micro X-ray computed tomography (micro CT) images of gas hydrate-bearing 
sediments recovered from the Mallik Site59–61 to simulate relative permeability of gas and water at three different 
hydrate saturations. For the purpose of validation, the unknowns are the six fitting parameters 

λ β β η η( )p p/ , , , , ,
e max g w g w

, while the residual saturations of gas and water, and the hydrate pore morphology are 

known. The residual saturations are considered known in the validation so as to be consistent with the known 
values of the experimental data. The residual saturation of water as given in Mahabadi et al.23 was found to be 
different for each Sh value.

Given information. The actual pore structure extracted from micro CT images of the sediments from the Mallik 
Site was simplified based on the maximal ball algorithm to a network of spheres connected by tubes, which 
depicts the pores and pore-throats, respectively, giving the porosity of the sample as 29.3%. Gas hydrate was 
modeled as pore filling and dissociated by gradually lowering the pressure at the inlet and outlet boundaries from 
15 MPa to 0.1 MPa at a constant temperature of 287 K, which causes the decomposition of the gas hydrate (the 
equilibrium pressure is equal to 13.0 MPa at 287 K). The process of gas and water flow was simulated for three 
different Sh (0.2, 0.4, and 0.6) and the relative permeability data is estimated for each Sh. The magnitude of residual 
water saturation (Swr) varies with Sh (Swr = 0.143, 0.164, 0.211, for Sh = 0.2, 0.4, and 0.6, respectively) because of 
gas production and water trapping during the preferential flow of gas at locations where the gas pressure is higher 
than the sum of the water and capillary pressure governed by the Laplace equation for a water-wet surface. The 
residual gas saturation (Sgr) estimated by fitting pore-network simulation results was found to be ~2%. The gas 
relative permeability data was normalized in Mahabadi et al.23 and it is used here as it is. To account for spatial 
heterogeneity in distribution of gas hydrate, five random realizations of each Sh were developed and simulations 
were performed for all five realizations. Additional details on the pore-scale simulations and relative permeability 
data used here for validation are given in Mahabadi et al.23.

Curve fitting strategy. Most of the information required to fit relative permeability data using the proposed 
model are known as discussed above, such as hydrate morphology (pore filling), dissociation temperature, resid-

ual saturations (Swr, Sgr), except for six parameters λ β β η η( )p p/ , , , , ,
e max g w g w

 that are obtained by fitting the 

model over relative permeability curves for gas and water at any single Sh. The six fitting parameters are estimated 
by fitting the relative permeability data for only single Sh, and the six parameters estimated by fitting relative per-
meability data for a single Sh can then be used to predict relative permeability at any other Sh; this is supported by 
the mathematical derivation and also by the calculations performed for validation where the same parameters 
estimated using relative permeability data from a single Sh predict the relative permeability data at other two Sh.

Figure 2 shows the relative permeability data reported by Mahabadi et al.23 in circular markers at three differ-
ent Sh, and the relative permeability predicted by the proposed model in solid red line at each Sh. The values of the 
six model parameters ( λ β β η ηp p/ , , , , ,

e max g w g w
) used to match the data are 0.94, 0.75, 1, 1.37, 0.48, and 2.32, 

respectively. The six unknown parameters of the proposed model are calibrated using experimental data from 
only single Sh (here = .S 0 2h ), and the same set of empirical parameters predict relative permeability at the other 
two Sh (0.4 and 0.6, respectively). The bounds of the unknown parameters and the simple formulation of the 
equations ensure that the parameter estimation is a well posed problem.

The accuracy of the relative permeability predicted by the model k( )ri
model  with respect to the relative permea-

bility data k( )ri
obs  reported by Mahabadi et al.23 is estimated using a normalized root mean squared error (RMSE) 

for each fluid phase i (i = g, w) as follows:
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The validation errors for krg and krw between the model predictions and the data at three different Sh (0.2, 0.4, 
and 0.6) are 6.8%, 8.7%, 45.5% and 3.8%, 6.7%, 15.9%, respectively. Although the absolute values of the errors 
may change depending on the relative permeability data available for validation including those at different Sh, 
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the general trend of this error sequence would remain the same. This is because the errors at higher Sh would 
be expected to be higher caused by the amplified effect of tortuosity on gas and water. The effect becomes more 
pronounced with the increase of pore-scale heterogeneity at higher Sh (discussed below). The novel feature of the 
proposed model is that it fits the relative permeability curves at each Sh using the same set of parameters that were 
obtained by fitting the data at any single Sh. This also suggests that perturbing a value of any parameter would 
change the relative permeability curves at all Sh, which is shown by the sensitivity analysis of the fitting parameters 
in the following section.

Sensitivity analysis of fitting parameters. To conduct the sensitivity analysis of the fitting parameters two addi-
tional curves (dashed-dotted and dotted, both in red) are plotted, representing two different values (low and high) 
of each parameter, along with the best fitted curve (depicted by solid red line) at each Sh. The errors corresponding 
to each of the three curves (dashed-dotted, dotted, and solid lines), depicting a different value of the fitting 
parameter, are estimated and presented in Table 1 through Table 2. The fitting parameters that are used in the 
sensitivity analysis are capillary pressure (pe/pmax), pore size distribution index (λ), and tortuosity correction 

β η( , )i i
 terms.

Capillary pressure term (Pe/Pmax). Figure 3 shows the sensitivity of pe/pmax on prediction of the pore-scale sim-
ulation data at all Sh. The errors corresponding to each curve at all Sh are presented in Table 1. Figure 3 shows 
that porous medium with smaller capillary entry pressure (pe/pmax = 0.2) leads to a smaller krg and a larger krw 
when compared to the best fit (pe/pmax = 0.94), whereas the use of a larger capillary entry pressure (pe/pmax = 0.99) 
almost mimics the best fit because of a minor difference in the capillary entry pressure between the two cases.

Pore size distribution index term (λ). In this study, the heterogeneity of porous media is represented in terms 
of λ, so that decrease/increase in heterogeneity is translated into increase/decrease of λ30,35. Figure 4 shows the 
sensitivity of λ on prediction of the pore-scale simulation data at all Sh. The errors corresponding to each curve at 
all Sh are presented in Table 3. Figure 4 shows that porous medium with larger heterogeneity (λ = 0.01) leads to a 
lower krg and a larger krw when compared to the best fit (λ = 0.75), whereas with the use of smaller heterogeneity 

Figure 2. Water and gas relative permeability as estimated using the model for PF gas hydrate and its 
comparison with pore-scale simulation data (circular markers). The inset in subplot is used to zoom the curve 
with small values.
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(λ = 1) almost mimics the best fit indicating that heterogeneity for the best fit case is also small. The heterogeneity 
of the best fit case is likely small given that the pore scale model by Mahabadi et al.23 was developed using the 
simple maximal ball algorithm to a network of spheres connected by tubes.

The impact of capillary entry pressure and heterogeneity can be assessed from Figs. 3 and 4, respectively, 
which show that a porous medium with a larger capillary entry pressure (pe/pmax ≥ 0.94) and smaller 

sh 
(%)

Error (%) in krg with RPHCP: Error (%) in krw with RPHCP:

Dashed-dotted 
(pe/pmax = 0.2)

Solid 
(pe/pmax = 0.94)

Dotted 
(pe/pmax = 0.99)

Dashed-dotted 
(pe/pmax = 0.2)

Solid 
(pe/pmax = 0.94)

Dotted 
(pe/pmax = 0.94)

20 15.5 6.8 6.9 9.5 3.8 4.2

40 17.2 8.7 8.4 19.2 6.7 7.0

60 50.4 45.5 45.2 37.3 15.9 15.5

Table 1. Fitting errors corresponding to each relative permeability curve at all Sh depicting the sensitivity of 
pe/pmax.

Sh 
(%)

Error (%) in krg with RPHCP: Error (%) in krw with RPHCP:

Dashed-dotted 
(ηg = 0.04)

Solid 
(ηg = 0.48)

Dotted 
(ηg = 0.96)

Dashed-dotted 
(ηw = 1.86)

Solid 
(ηw = 2.32)

Dotted 
(ηw = 4.29)

20 13.5 6.8 9.2 8.8 3.8 24.8

40 7.2 8.7 15.3 19.1 6.7 30.9

60 29.7 45.5 55.3 48.6 15.9 29.0

Table 2. Fitting errors corresponding to each relative permeability curve at all Sh depicting the sensitivity of ηi.

Figure 3. Sensitivity of pe/pmax on prediction of the pore-scale simulation data at all Sh. The dashed-dotted and 
dotted lines represent the lower and higher values of pe/pmax. The curve with dotted line almost mimics the best 
fitted curve (solid red line). The inset in subplot is used to zoom the curve with small values.
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heterogeneity λ ≥ .( 0 75) leads to higher krg and a smaller krw. Additionally, the impact of a capillary entry pres-
sure and pore size heterogeneity is significantly more prominent on krg than it is on krw for S 40%h ≤ , whereas the 
impact of these two variables lessens at = .S 60%h  The impact of capillary entry pressure on krg is larger compared 
to the impact of pore size heterogeneity on krg.

Tortuosity correction terms ( , )i i
β η . Figures 5 and 6 show the sensitivity of βi and ηi, respectively, on prediction 

of the pore-scale simulation data at all Sh. The errors corresponding to each curve at all Sh are presented in Tables 2 
and 4, respectively. The effect of βg on krg is not apparent because the gas relative permeability data was normal-
ized like in Mahabadi et al. (2016), which cancels the effect of the βg term. However, krw is not normalized, and 
therefore, it shows the sensitivity of varying βw.

Unique parameters set. To demonstrate unique model output with different set of parameters, Monte-Carlo 

simulations are performed with 10,000 random sets of six fitting parameters ( )p p/ , , , , ,
e max g w g w

λ β β η η , where 

the range of each parameter is fixed based on its variability as discussed above. Figure 7 shows the difference 
between the relative permeabilities predicted by Monte Carlo simulations (kri,MC) and the best (optimum) match 
obtained in section 3.1 ( )kri opt,  as a function of Sw at three different Sh. Figure 7 shows that there are no two sets of 

Figure 4. Sensitivity of λ on prediction of the pore-scale simulation data at all Sh. The dashed-dotted and dotted 
lines represent the lower and higher values of λ. The curve with dotted line almost mimics the best fit (solid red 
line). The inset in subplot is used to zoom the curve with small values.

Sh 
(%)

Error (%) in krg. with RPHCP: Error (%) in krw with RPHCP:

Dashed-dotted 
(λ = 0.01)

Solid 
(λ = 0.75)

Dotted 
(λ = 1)

Dashed-dotted 
(λ = 0.01)

Solid 
(λ = 0.75)

Dotted 
(λ = 1)

20 39.1 6.8 6.8 11 3.8 3.9

40 40.1 8.7 8.6 26.2 6.7 6.8

60 69.5 45.5 45.4 54.0 15.9 15.8

Table 3. Fitting errors corresponding to each relative permeability curve at all Sh depicting the sensitivity of λ.
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parameters that can give the same output ( − =k k 0ri MC ri opt, ,  for same output) for the whole range of Sw, or in 
other words only one set of parameters gives the best match. The non-zero value of k kri MC ri opt, ,−  as a function 
of Sw (at different Sh) in Fig. 7 verifies that the proposed model’s best match exists with only unique parameter 
values and no two different set of parameters can provide the same match.

Numerical simulations with proposed model. Reliable prediction of a gas hydrate deposit productivity 
is challenging due to uncertainties in key reservoir parameters and lack of long-term field production tests that 
would be extremely useful for history-matching and validation of reservoir models. As an example, gas rates 
predicted from Nankai Trough gas hydrate reservoirs was about two and a half times larger the actual field pro-
duction rates as shown in Fig. 8. Figure 8 also shows that the rates estimated by numerical simulations for early 
periods, mimicking the duration of field test, are significantly high, which rationalizes the need for long-term 
field production tests to assess whether the production from gas hydrate reservoirs can reach commercially viable 
rates. Although uncertainty and heterogeneity in key petrophysical parameters62 remain one of the biggest chal-
lenges to conduct accurate simulations of gas production from gas hydrate reservoirs, another important aspect 
is the use of constitutive models that reliably represent the physics of gas hydrate reservoirs. More specifically, 
predicting accurate production rates from gas hydrate reservoirs requires elaborated models for relative permea-
bility controlling mass-transport in a producing gas hydrate reservoir. Such models should depend on gas hydrate 
saturation evolution.

The multiphase relative permeability model proposed in this study is used in numerical simulations to predict 
gas and water production rates from two gas hydrate reservoirs on the Alaska North Slope (ANS). The production 
rates predicted using the proposed model are compared with the corresponding output using the B-C relative 
permeability function. The B-C model is a legacy model that was proposed for use in conventional oil and gas 
reservoirs, but it has also found its usage in gas hydrate reservoirs because of lack of relative permeability models 
developed for gas hydrate reservoirs. In that respect, the fixed values of exponents in the B-C model are assumed 
to account for the average effect of variation in Sh on relative permeability23.

Figure 5. Sensitivity of βi on prediction of the pore-scale simulation data at all Sh. The dashed-dotted and 
dotted lines represent the lower and higher values of βi. The inset in subplot is used to zoom the curve with 
small values.
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Gas hydrate reservoirs. Kuparuk 7-11-12 reservoir. This gas hydrate reservoir site is located in the western part 
of the Prudhoe Bay Unit (PBU) of ANS at the Kuparuk 7-11-12 Pad, where a 7-11-12 well was drilled in 198164,65. 
The well-log data acquired from this well confirmed the occurrence of gas hydrate with large saturations within 
two zones that are identified as Unit B and Unit D. Further details about the site and the “7-11-12” well can be 
found in other literature64,65.

The 2-D reservoir model of the Unit B was created using the homogeneous representation of the key reservoir 
properties. The reservoir model uses the homogeneous representation of the key properties and provides three 
cases with initial Sh equal to 20%, 40%, and 60%. Relevant initial conditions and properties of this reservoir are 
given in Table 5 and Table 6.

Mount Elbert reservoir. This gas hydrate reservoir site is located in the Milne Point Unit on ANS, where a 
stratigraphic test well (“Mt. Elbert” stratigraphic test well) was drilled in 200766. A major goal of this well was to 
assess the response of different downhole well-logging tools in the presence of gas hydrates. As part of this goal, 
extensive data was collected and interpreted66, which confirmed the presence of two gas hydrate-bearing sand 
zones (Unit D and Unit C). The reservoir model utilizes the heterogeneous representation of the porosity, perme-
ability, and gas hydrate saturation distributions resulting in an initial Sh (average) value of 58.6%. Further details 

Figure 6. Sensitivity of ηi on prediction of the pore-scale simulation data at all Sh. The dashed-dotted and 
dotted lines represent the lower and higher values of ηi. The inset in subplot is used to zoom the curve with 
small values.

Sh 
(%)

Error (%) in krg with RPHCP: Error (%) in krw with RPHCP:

Dashed-dotted 
(βg = 0.08)

Solid 
(βg = 1)

Dotted 
(βg = 2)

Dashed-dotted 
(βw = 0.68)

Solid 
(βw = 1.37)

Dotted 
(βw = 2.05)

20 6.8 6.8 6.8 19.8 3.8 14.1

40 8.7 8.7 8.7 20.0 6.7 15.5

60 45.5 45.5 45.5 18.6 15.9 24.7

Table 4. Fitting errors corresponding to each relative permeability curve at all Sh depicting the sensitivity of βi.
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about the site and the “Mt. Elbert” stratigraphic test well can be found elsewhere13,66. Numerical simulations are 
performed for Unit D depicted in Fig. 9 as a part of the schematic stratigraphic model of the Mt. Elbert Site.

Numerical simulation results. Numerical simulations of the two reservoirs described above are conducted using 
the B-C model and the proposed relative permeability model. The gas and water rates/volumes are collected to 
compare production using the two relative permeability models. For the purpose of consistent comparison the 

Figure 7. Difference between the relative permeabilities predicted by Monte Carlo simulations k( )ri MC,  and the 
best (optimum) match obtained in validation ( )kri opt,  as a function of Sw at three different Sh. The inset in subplot 

is used to zoom near zero to prove that proposed model’s best match exists with only unique parameter values.

Figure 8. Average (colored bars) and maximum (black line) production rates (after Boswell et al.63) from 
gas hydrate accumulations observed at field tests (top half of the figure; duration 3-19 days) and predicted by 
numerical simulations (bottom half of the figure).
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values of exponents in the B-C model are taken within the ranges recommended by Mahabadi et al.23 for uni-
formly distributed gas hydrate. The parameters of the B-C and the RPHCP models used in the simulations are 
listed in Table 7. The fixed empirical parameters for the B-C model assume to take into account the average effect 
of Sh variation on relative permeability.

The proposed relative permeability model was implemented in the TOUGH + Hydrate simulator67. The 
numerical simulations were performed using two models with the evolving porous media approach that consid-
ers the effective pore space occupied by mobile phases only, or, in other words, includes gas hydrate as a part of the 
solid matrix. The intrinsic permeability adjustment due to the presence of gas hydrate was estimated using Eq. (3)  
in Myshakin et al.13 with n = 5.67.

Kuparuk Site with 7-11-12 well. Figure 10 shows the production rates (solid lines) and volumes (dashed lines) 
for gas (left plots) and water (right plots) predicted from the homogeneous reservoir model for the Kuparuk 7-11-
12 Site at three initial gas hydrate saturations (Sh = 20%, 40%, and 60%).

Parameter Value

Porosity (fraction) 0.4

Sh (fraction) 0.6/0.4/0.2

Initial Reservoir Pressure (MPa) 8.87 (average)

Initial Reservoir Temperature (°C) 10.52 (average)

Intrinsic permeability (mD) 1000

Brine salinity (ppt) 5

Table 5. Reservoir initial condition and properties for the Kuparuk Site.

Parameter Value (averaged)

Porosity (fraction) 0.377

Sh (fraction) 0.586

Initial Reservoir Pressure (MPa) 6.87

Initial Reservoir Temperature (°C) 2.79

Intrinsic permeability (mD) 1100

Brine salinity (ppt) 5

Table 6. Reservoir initial condition and properties for the Mt. Elbert Site.

Figure 9. Stratigraphic model of the Mt. Elbert Site (left) with its hydrate saturation (Sh) and porosity (φ) 
shown on the right (after Myshakin et al.13). The “cold” Unit D reservoir (bounded by solid black lines) is used 
for investigation in this study. Relevant initial condition and properties of this reservoir are given in Table 5.
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Mt. Elbert (Unit D) Site with stratigraphic test well. Figure 11 shows the production performance of the 2-D 
heterogeneous reservoir model for the Mt. Elbert Site at an initial average gas hydrate saturation of 58.6%. The 
red lines depict the results computed using the proposed relative permeability model, while the black lines are 
calculated using the B-C model.

The results presented in Figs. 10 and 11 show large differences in rates and volumes computed using the pro-
posed and the B-C models. That indicates that the use of fixed empirical parameters for the B-C model is a rough 
approximation when it is applied over a range of Sh in a producing gas hydrate reservoir. The proposed model 
utilizing the explicit dependency on a Sh value provides the refined prediction of reservoir performance.

Computational execution time. Table 8 shows that the CPU run times required to run simulations with the 
proposed model are very close (a difference of ~0.07 second per iteration, on average, between the two models) 
to the times taken to run simulations with the B-C model. Therefore, the implementation of the more elaborated 
expressions for the relative permeability developed in this work (Eqs. 9 and 11) into the simulator leads to small 
changes in computational times compared to the B-C model.

Discussions
Quality of the relative permeability validation. Permeability reduction curves in gas hydrate-bearing 
media exhibit large experimental errors as depicted by the reported data6–10. In comparison the prediction errors 
of the proposed model, ranging from 6.8% to 45.5% for krg and from 3.8% to 15.9% for krw (Fig. 2), are modest 
and within an acceptable range. It should be noted that this is the only study so far that provides a match with 
multiphase relative permeability data at three different Sh and as per our knowledge there is no literature showing 
fit of existing models that can be used to ascertain the quality of their fit as a reference. The data used in this study 
for validation were reported by Mahabadi et al.23 They used them to calibrate empirical parameters of the existing 
models, but their study did not provide any quantitative or qualitative measure of the quality of their fits.

kr Model kw kg Swr

RPHCP (this study) Eq. 11 Eq. 9
Variable data from 
Mahabadi et al.23

B-C −
−( )Sw Swr

Swr

nw

1
; nw = 3.10









−

− −

Sg Sgr

Sgr Swr

ng

1
; ng = 3.16 0.10

Table 7. Relative permeability models used in the numerical simulations.

Figure 10. Rates (solid lines) and volumes (dashed lines) for gas (left plots) and water (right plots) produced 
from the homogeneous reservoir model for the Kuparuk Site using the proposed relative permeability 
model (red lines) and the B-C model (black lines). The initial Sh in these plots are a) 20%, (b) 40%, and (c) 60%.
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Unlike the results for krw, which show almost an ideal match, a large deviation in krg has been observed in 
other reservoirs with hydrocarbons11,12,58. A possible reason hypothesized by the noted studies attributes this 
deviation to tortuosity of gas flow. The deviation in krg increases with increase of Sh, which could indicate change 
in gas hydrate morphology3,41. A possible reason for the increase in deviation of krg at high Sh is possibly due to a 
shift from pore filling (at intermediate Sh < 40%) to other morphologies (e.g. grain coating, load bearing etc.) at 
high Sh (>40%)3. If the shape of the transformed hydrate morphology at high Sh (~60%) is known, for example, 
to be grain coating, the fit for krg could be improved by applying the model specific to grain coating hydrates at 
that Sh (derivation available in supplemental material) or even use a combination of two precipitation habits with 
weighted coefficients.

Unknown empirical parameters. The unknown parameters in the proposed model (three each for water 
and gas) have associated physical meaning that accounts for three properties of the rock, namely, capillary pres-
sure (entry and maximum), pore size heterogeneity, and tortuosity experienced by each fluid at gas hydrate-free 
condition. Although the values of these rock properties may vary with Sh, especially with large variation in Sh, the 
mathematical formulation of the proposed model assumes the values of these parameters specifically at gas 
hydrate-free condition S( 0)h ~ , meaning that their values can also be easily measured experimentally within a gas 
hydrate-free specimen. In most cases, a capillary pressure function considered as input in reservoir simulations 
can be used to estimate (pe/pmax) assuming that an input capillary pressure table contains the minimum (entry) 
and maximum possible values for a given reservoir.

Implications for numerical simulation of gas hydrate reservoirs. The results obtained in Figs. 10 and 
11 illustrate that the proposed model can be used to simulate multiphase flow in gas hydrate-bearing medium with 
dissociating gas hydrate, while not carrying limitations associated with the use of existing models like B-C37 or 
van-Genuchten22 as discussed earlier. Significant deviation in the production rates of gas and water for the two 
reservoirs (presented in Figs. 10 and 11) suggest the important implication of relative permeability, which incorpo-
rates the evolving nature of the gas hydrate porous media, as one of the key modeling components in achieving an 
accurate prediction of the field production rates. The current practice in numerical simulations of gas hydrate reser-
voirs considers relative permeability that remains unchanged as gas hydrate dissociates, primarily because existing 
models used in numerical simulations of multiphase flow do not account for variable Sh and, as a result, lack the 
natural ability to evolve with dissociating gas hydrate medium. Although the B-C model can be customized to dis-
cretely account for Sh, it would require calibrating empirical parameters at various Sh using experimental data from 
each of the several Sh. This task is a time and resource intensive process as it requires separate experiments at each 
Sh. Moreover, each experiment would require to come up with an empirical equation would most likely depend on 
the heterogeneity and complexity of the porous medium. Consequently, the dependency of the empirical parame-
ters on Sh deducted using, for example, 20%, 40%, and 60% Sh might not hold true at higher Sh (e.g. 80%), which is 
found in high quality (large porosity, large intrinsic permeability, and large Sh) gas hydrate reservoirs such as Unit 
B of the Kuparuk Site. Notably, for Sh 80% the residual water saturation would be 23.6%, according to the equation 
recommended in Mahabadi et al.23, which means no flow since only 20% of water saturation remains in pore space.

Figure 11. Rates (solid lines) and volumes (dashed lines) for gas (left plot) and water (right plot) produced 
from the 2-D heterogeneous reservoir model (Unit D) of the Mt. Elbert Site using the proposed relative 
permeability model (red lines) and the B-C model (black lines).

kr Model

Kuparuk Mount Elbert

Sh = 20% Sh = 40% Sh = 60% Sh = 58.6% (avg)

RPHCP (this study) 0.574 0.672 0.624 0.459

B-C 0.533 0.616 0.587 0.421

Table 8. Computational execution time per iteration (in seconds) for each case study. The average difference in 
execution time between the proposed model and the B-C model is ~0.07 seconds per iteration.
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The gas production rates predicted by the proposed model are higher than the production rates predicted by the 
B-C model. In fact, the gas production rates predicted by the proposed model deviate further apart from the rates pre-
dicted by the B-C model as the simulation time progresses, depicting that the impact of relative permeability model, 
which includes the physics of evolving gas hydrate saturation, can be significantly different than the B-C model on the 
gas production. It is important to note here that the objective of this work is not to implement a relative permeability 
model in TOUGH+Hydrate to simulate production rates, but to report one of the first attempts to develop a new 
relative permeability model for gas hydrate-bearing sediments in general that can be used in lab and field applications.

One might argue that the “original porous media” (OPM) approach67 can implicitly account for changes in Sh 
into the relative permeability model by considering a constant porosity for the medium, such that the changing Sh 
adjusts the fluid saturations accordingly if the porosity is held constant. Although this approach appears theoreti-
cally correct, it is not physically realistic in a way that gas hydrate is a solid phase such that its dissociation changes 
the void fraction available for the fluid flow, which is defined as porosity. In other words, considering a constant 
porosity for gas hydrate-bearing media creates a hypothetical concept that is not physically realistic and it bears 
implications on the fluid flow and solid-mechanics simulations by considering a void fraction (porosity) that is 
larger than what is physically available for fluid flow in the medium. The “evolving porous media” (EPM) model 
implemented into TOUGH+Hydrate implies a two-step estimation of effective permeability for a mobile phase. 
First, it is a reduction of absolute permeability because of the presence of gas hydrate. Second, it is estimation of 
relative permeability for a mobile phase as if gas hydrate is absent. This means that aqueous phase behaves as if gas 
hydrate precipitation occurs only in pore space occupied by gas phase; the same statement is true for gas phase. 
Since gas hydrate cannot simultaneously be present in only aqueous and only in gas-filled pore space, the EPM 
conceptual limitation is evident. The proposed model is free of such limitations.

Summary and Conclusions
This study proposed a new relative permeability model for multiphase flow in gas hydrate-bearing porous media. The 
new model is developed using the Purcell’s approach based on capillary pressure model, which was described by a 
general empirical equation that is a function of maximum capillary pressure, capillary entry pressure for the wetting 
phase, pore size distribution index, normalized water saturation, hydrate saturation, residual saturations. Empirical 
relative permeability models used for multiphase flow in gas hydrate-bearing media were originally developed for con-
ventional oil and gas reservoirs, where the empirical constants depict the porous media with fixed petrophysical prop-
erties (e.g. porosity, permeability). However, the effective porosity available for mobile phase flow in gas hydrate-bearing 
porous media continuously changes during production, therefore, accurate prediction of relative permeability using 
legacy models would require empirical constants to be a function of Sh. That is a time-consuming and resource intensive 
process as it requires experimental relative permeability data at several Sh. The proposed model requires fitting its four 

empirical parameters ( ), , ,g w g w
β β η η , besides two non-empirical parameters (pe/pmax, λ), only once using experimen-

tal data from only one Sh, and the same set of empirical parameters can predict relative permeability at any other Sh. The 
model also accounts for the effect of pore-size distribution in the rock matrix, which is not possible with the models 
currently used for numerical simulations of gas hydrate reservoirs.

The numerical simulations performed using the proposed model take similar time as the time taken by the 
B-C model for the two reservoirs studied. Reservoir productivity predicted by employing the proposed model is 
different than that computed by the B-C model using fixed empirical parameters for gas and water relative per-
meability. That manifests an approximate nature of the B-C model applied over a range of Sh values in comparison 
with the proposed model that uses the explicit dependency on Sh to provide the refined prediction of reservoir 
performance.

Disclaimer. This work was funded by the Department of Energy, National Energy Technology Laboratory, an 
agency of the United States Government, through a support contract with Leidos Research Support Team (LRST). 
Neither the United States Government nor any agency thereof, nor any of their employees, nor LRTS, nor any of their 
employees, makes any warranty, expressed or implied, or assumes any legal liability or responsibility for the accuracy, 
completeness, or usefulness of any information, apparatus, product, or process disclosed, or represents that its use 
would not infringe privately owned rights. Reference herein to any specific commercial product, process, or service 
by trade name, trademark, manufacturer, or otherwise, does not necessarily constitute or imply its endorsement, rec-
ommendation, or favoring by the United States Government or any agency thereof. The views and opinions of authors 
expressed herein do not necessarily state or reflect those of the United States Government or any agency thereof.

Data availability
All data generated or analyzed during this study are included in this published article (and the Appendix).

Received: 21 September 2019; Accepted: 24 February 2020;

Published: xx xx xxxx

References
 1. Sloan, E. D. Fundamental principles and applications of natural gas hydrates. Nature 426, 353–363 (2003).
 2. Kleinberg, R. L. Exploration strategy for economically significant accumulations of marine gas hydrate. Geological Society, London, 

Special Publications 319, 21–28 (2009).
 3. Waite, W. F. et al. Physical properties of hydrate-bearing sediments. Rev. Geophys 47, RG4003 (2009).
 4. Demirbas, A. Methane hydrates as potential energy resource: Part 2 – Methane production processes from gas hydrates. Energy 

Conversion and Management 51, 1562–1571 (2010).
 5. Gabitto, J. F. & Tsouris, C. Physical Properties of Gas Hydrates: A Review. Journal of Thermodynamics 2010, e271291 (2010).
 6. Kumar, A. et al. Experimental determination of permeability in the presence of hydrates and its effect on the dissociation 

characteristics of gas hydrates in porous media. Journal of Petroleum Science and Engineering 70, 114–122 (2010).

https://doi.org/10.1038/s41598-020-62284-5


1 6SCIENTIFIC REPORTS |         (2020) 10:5697  | https://doi.org/10.1038/s41598-020-62284-5

www.nature.com/scientificreportswww.nature.com/scientificreports/

 7. Johnson, A., Patil, S. & Dandekar, A. Experimental investigation of gas-water relative permeability for gas-hydrate-bearing 
sediments from the Mount Elbert Gas Hydrate Stratigraphic Test Well, Alaska North Slope. Marine and Petroleum Geology 28, 
419–426 (2011).

 8. Liang, H., Song, Y., Chen, Y. & Liu, Y. The Measurement of Permeability of Porous Media with Methane Hydrate. Petroleum Science 
and Technology 29, 79–87 (2011).

 9. Delli, M. L. & Grozic, J. L. H. Experimental determination of permeability of porous media in the presence of gas hydrates. Journal 
of Petroleum Science and Engineering 120, 1–9 (2014).

 10. Li, C.-H., Zhao, Q., Xu, H.-J., Feng, K. & Liu, X.-W. Relation between relative permeability and hydrate saturation in Shenhu area, 
South China Sea. Appl. Geophys. 11, 207–214 (2014).

 11. Li, K. & Horne, R. N. Comparison of methods to calculate relative permeability from capillary pressure in consolidated water-wet 
porous media. Water Resources Research 42, (2006).

 12. Honarpour, M. M. Relative Permeability of Petroleum Reservoirs. (CRC press, 1986).
 13. Myshakin, E. M., Anderson, B. J., Rose, K. & Boswell, R. Simulations of Variable Bottomhole Pressure Regimes to Improve Production 

from the Double-Unit Mount Elbert, Milne Point Unit, North Slope Alaska Hydrate Deposit. Energy Fuels 25, 1077–1091 (2011).
 14. Myshakin, E. M., Ajayi, T., Anderson, B. J., Seol, Y. & Boswell, R. Numerical simulations of depressurization-induced gas production 

from gas hydrates using 3-D heterogeneous models of L-Pad, Prudhoe Bay Unit, North Slope Alaska. Journal of Natural Gas Science 
and Engineering 35, 1336–1352 (2016).

 15. Myshakin, E. M. et al. Numerical simulations of depressurization-induced gas production from an interbedded turbidite gas 
hydrate-bearing sedimentary section in the offshore India: Site NGHP-02-16 (Area-B). Marine and Petroleum Geology https://doi.
org/10.1016/j.marpetgeo.2018.10.047 (2018).

 16. Merey, S. & Sinayuc, C. Numerical simulations for short-term depressurization production test of two gas hydrate sections in the 
Black Sea. Journal of Natural Gas Science and Engineering 44, 77–95 (2017).

 17. Misyura, S. Y. The influence of porosity and structural parameters on different kinds of gas hydrate dissociation. Scientific Reports 6, 
30324 (2016).

 18. Misyura, S. Y., Donskoy, I. G. & Morozov, V. S. Dissociation of methane hydrate granules. J. Phys.: Conf. Ser 899, 032014 (2017).
 19. Singh, H., Myshakin, E. M. & Seol, Y. A Non-Empirical Relative Permeability Model for Three Phases in Hydrate Bearing Sediments. 

SPE Journal SPE-193996-PA, (2018).
 20. Singh, H., Mahabadi, N., Myshakin, E. M. & Seol, Y. A Mechanistic Model for Relative Permeability of Gas and Water Flow in 

Hydrate-Bearing Porous Media with Capillarity. Water Resources Research 0, (2019).
 21. Burdine, N. T. Relative Permeability Calculations From Pore Size Distribution Data. Journal of Petroleum Technology 5, 71–78 

(1953).
 22. Van Genuchten, M. T. A closed-form equation for predicting the hydraulic conductivity of unsaturated soils 1. Soil science society of 

America journal 44, 892–898 (1980).
 23. Mahabadi, N., Dai, S., Seol, Y., Sup Yun, T. & Jang, J. The water retention curve and relative permeability for gas production from 

hydrate-bearing sediments: pore-network model simulation. Geochem. Geophys. Geosyst. 17, 3099–3110 (2016).
 24. Purcell, W. R. Capillary Pressures - Their Measurement Using Mercury and the Calculation of Permeability Therefrom. Journal of 

Petroleum Technology 1, 39–48 (1949).
 25. Li, K. More general capillary pressure and relative permeability models from fractal geometry. Journal of Contaminant Hydrology 

111, 13–24 (2010).
 26. Liu, P., Yuan, Z. & Li, K. An improved capillary pressure model using fractal geometry for coal rock. Journal of Petroleum Science and 

Engineering 145, 473–481 (2016).
 27. Andersen, P. Ø., Skjæveland, S. M. & Standnes, D. C. A Novel Bounded Capillary Pressure Correlation with Application to Both 

Mixed and Strongly Wetted Porous Media. in (Society of Petroleum Engineers, 2017). https://doi.org/10.2118/188291-MS.
 28. Zheng, J., Liu, H., Wang, K. & You, Z. A new capillary pressure model for fractal porous media using percolation theory. Journal of 

Natural Gas Science and Engineering 41, 7–16 (2017).
 29. Wang, S., Liu, P., Zhao, H. & Zhang, Y. A novel method for calculating the dynamic capillary force and correcting the pressure error 

in micro-tube experiment. Scientific Reports 7, 16590 (2017).
 30. Li, K. Analytical derivation of Brooks–Corey type capillary pressure models using fractal geometry and evaluation of rock 

heterogeneity. Journal of Petroleum Science and Engineering 73, 20–26 (2010).
 31. Diaz, C. E., Chatzis, I. & Dullien, F. A. L. Simulation of capillary pressure curves using bond correlated site percolation on a simple 

cubic network. Transp Porous Med 2, 215–240 (1987).
 32. Perez, G. & Chopra, A. K. Evaluation of Fractal Models To Describe Reservoir Heterogeneity and Performance. SPE Formation 

Evaluation 12, 65–72 (1997).
 33. Li, K. & Horne, R. N. Fractal modeling of capillary pressure curves for The Geysers rocks. Geothermics 35, 198–207 (2006).
 34. Mahamud, M. M. & Novo, M. F. The use of fractal analysis in the textural characterization of coals. Fuel 87, 222–231 (2008).
 35. Al-Zainaldin, S., Glover, P. W. J. & Lorinczi, P. Synthetic Fractal Modelling of Heterogeneous and Anisotropic Reservoirs for Use in 

Simulation. Studies: Implications on Their Hydrocarbon Recovery Prediction. Transp Porous Med 116, 181–212 (2017).
 36. Ghezzehei, T. A. & Kneafsey, T. J. Measurements of the Capillary Pressure-Saturation Relationship of Methane Hydrate Bearing 

Sediments. in (Offshore Technology Conference, 2010). https://doi.org/10.4043/20550-MS.
 37. Brooks, R. H. & Corey, A. T. Properties of Porous Media Affecting Fluid Flow. Journal of the Irrigation and Drainage Division 92, 

61–90 (1966).
 38. Helgerud, M. B., Dvorkin, J., Nur, A., Sakai, A. & Collett, T. Elastic-wave velocity in marine sediments with gas hydrates: Effective 

medium modeling. Geophysical Research Letters 26, 2021–2024 (1999).
 39. Murray, D. R. et al. Saturation, Acoustic Properties, Growth Habit, and State of Stress of a Gas Hydrate Reservoir from Well Logs. 

Petrophysics 47, (2006).
 40. Konno, Y. et al. Effect of methane hydrate morphology on compressional wave velocity of sandy sediments: Analysis of pressure 

cores obtained in the Eastern Nankai Trough. Marine and Petroleum Geology 66, 425–433 (2015).
 41. Dugarov, G. A., Duchkov, A. A., Duchkov, A. D. & Drobchik, A. N. Laboratory validation of effective acoustic velocity models for 

samples bearing hydrates of different type. Journal of Natural Gas Science and Engineering 63, 38–46 (2019).
 42. Behseresht, J. & Bryant, S. L. Effect of Relative Permeability Characteristics and Gas/Water Flow on Gas-Hydrate Saturation 

Distribution. in (Society of Petroleum Engineers, 2011). https://doi.org/10.2118/147221-MS.
 43. Jin, S. et al. Structural Investigation of Methane Hydrate Sediments by Microfocus X-ray Computed Tomography Technique under 

High-Pressure Conditions. Jpn. J. Appl. Phys 45, L714 (2006).
 44. Ta, X. H., Yun, T. S., Muhunthan, B. & Kwon, T.-H. Observations of pore-scale growth patterns of carbon dioxide hydrate using 

X-ray computed microtomography. Geochemistry, Geophysics, Geosystems 16, 912–924 (2015).
 45. Lei, L., Seol, Y. & Jarvis, K. Pore-Scale Visualization of Methane Hydrate-Bearing Sediments With Micro-CT. Geophysical Research 

Letters 45, 5417–5426 (2018).
 46. Ginsburg, G. D. Gas hydrate accumulation in deep-water marine sediments. Geological Society, London, Special Publications 137, 

51–62 (1998).
 47. Hensen, C. & Wallmann, K. Methane formation at Costa Rica continental margin—constraints for gas hydrate inventories and 

cross-décollement fluid flow. Earth and Planetary Science Letters 236, 41–60 (2005).

https://doi.org/10.1038/s41598-020-62284-5
https://doi.org/10.1016/j.marpetgeo.2018.10.047
https://doi.org/10.1016/j.marpetgeo.2018.10.047
https://doi.org/10.2118/188291-MS
https://doi.org/10.4043/20550-MS
https://doi.org/10.2118/147221-MS


17SCIENTIFIC REPORTS |         (2020) 10:5697  | https://doi.org/10.1038/s41598-020-62284-5

www.nature.com/scientificreportswww.nature.com/scientificreports/

 48. Bhatnagar, G., Chapman, W. G., Dickens, G. R., Dugan, B. & Hirasaki, G. J. Sulfate-methane transition as a proxy for average 
methane hydrate saturation in marine sediments. Geophysical Research Letters 35, (2008).

 49. Phirani, J., Pitchumani, R. & Mohanty, K. K. Transport Properties of Hydrate Bearing Formations from Pore-Scale Modeling. in 
(Society of Petroleum Engineers, 2009). https://doi.org/10.2118/124882-MS.

 50. Liu, X. & Flemings, P. B. Passing gas through the hydrate stability zone at southern Hydrate Ridge, offshore Oregon. Earth and 
Planetary Science Letters 241, 211–226 (2006).

 51. Liu, X. & Flemings, P. B. Dynamic multiphase flow model of hydrate formation in marine sediments. Journal of Geophysical Research: 
Solid Earth 112, (2007).

 52. Torres, M. E. et al. Gas hydrate growth, methane transport, and chloride enrichment at the southern summit of Hydrate Ridge, 
Cascadia margin off Oregon. Earth and Planetary Science Letters 226, 225–241 (2004).

 53. Boswell, R. et al. Geologic controls on gas hydrate occurrence in the Mount Elbert prospect, Alaska North Slope. Marine and 
Petroleum Geology 28, 589–607 (2011).

 54. Lei, L., Seol, Y. & Myshakin, E. M. Methane hydrate film thickening in porous media. Geophysical Research Letters 46, 11091–11099 
(2019).

 55. Jamin, J. M. Memoir on equilibrium and movement of liquids in porous substances. Compt. Rend 50, 172–176 (1860).
 56. Wylie, M. R. J. & Gardner, G. H. F. The generalized Kozeny-Carman equation: Its application to problems of multiphase flow in 

porous media. World Oil 146, 210–227 (1958).
 57. Wyllie, M. R. J. & Gardner, G. H. F. The generalized Kozeny-Carman equations: its application to problems of multiphase flow in 

porous media: Part 2-a novel approach to problems of fluid flow. World Oil 146, 8–16 (1958).
 58. Yassin, M. R., Dehghanpour, H., Wood, J. & Lan, Q. A Theory for Relative Permeability of Unconventional Rocks With Dual-

Wettability Pore Network. SPE Journal https://doi.org/10.2118/178549-PA (2016).
 59. Collett, T. S. Detailed evaluation of gas hydrate reservoir properties using JAPEX/JNOC/GSC Mallik 2L-38 gas hydrate research well 

downhole well-log displays. Bulletin of the Geological Survey of Canada 17 (1999).
 60. Collett, T. S., Lewis, R. E. & Dallimore, S. R. Mallik 5L-38 gas hydrate production research well downhole well-log and core 

montages. BULLETIN-GEOLOGICAL SURVEY OF CANADA 585, 111 (2005).
 61. Dallimore, S. R. et al. Scientific results from the Mallik 2002 gas hydrate production research well program, Mackenzie Delta, 

northwest territories, Canada: Preface. Geological Survey of Canada 585, 1–16 (2005).
 62. Riley, D., Marin-Moreno, H. & Minshull, T. A. The effect of heterogeneities in hydrate saturation on gas production from natural 

systems. Journal of Petroleum Science and Engineering 183, 106452 (2019).
 63. Boswell, R., Collett, T. S., Myshakin, E., Ajayi, T. & Seol, Y. The increasingly complex challenge of gas hydrate reservoir simulation. 

in (2017).
 64. Ajayi, T., Myshakin, E. M., Seol, Y., Collett, T. & Boswell, R. Numerical Simulation of Depressurization-Induced Gas Production from 

Interbedded Hydrate-Bearing Units B and D, at the Site of Kuparuk 7-11-12. 56 (2017).
 65. Boswell, R. et al. Viable long-term gas hydrate testing site confirmed on the Alaska north slope. Fire in the Ice: NETL Methane 

Hydrate Newsletter 19, 15 (2019).
 66. Collett, T. S. et al. Downhole well log and core montages from the Mount Elbert Gas Hydrate Stratigraphic Test Well, Alaska North 

Slope. Marine and Petroleum Geology 28, 561–577 (2011).
 67. Moridis, G. J., Kowalsky, M. B. & Pruess, K. TOUGH + HYDRATE v1. 0 User’s Manual: a code for the simulation of system behaviour 

in hydrate-bearing porous media. (2008).

Acknowledgements
This research was performed in support of the National Energy Technology Laboratory’s ongoing research on 
fluid flow characteristics and permeability in hydrate-bearing sediments. This research was supported in part 
by an appointment to the National Energy Technology Laboratory Research Participation Program, sponsored 
by the U.S. Department of Energy and administered by the Oak Ridge Institute for Science and Education. 
Research performed by Leidos Research Support Team (LRST) staff was conducted under the RSS contract 
89243318CFE000003.

Author contributions
H.S. conceived the idea and derived the model; E.M.M. ran numerical simulations with the derived model; H.S., 
Y.S., and E.M.M. analyzed the results; H.S. wrote the manuscript, E.M.M. and Y.S. edited it. All authors have 
reviewed and approved the final version of the manuscript.

Competing interests
The authors declare no competing interests.

Additional information
Supplementary information is available for this paper at https://doi.org/10.1038/s41598-020-62284-5.

Correspondence and requests for materials should be addressed to H.S. or Y.S.

Reprints and permissions information is available at www.nature.com/reprints.

Publisher’s note Springer Nature remains neutral with regard to jurisdictional claims in published maps and 
institutional affiliations.

Open Access This article is licensed under a Creative Commons Attribution 4.0 International 
License, which permits use, sharing, adaptation, distribution and reproduction in any medium or 

format, as long as you give appropriate credit to the original author(s) and the source, provide a link to the Cre-
ative Commons license, and indicate if changes were made. The images or other third party material in this 
article are included in the article’s Creative Commons license, unless indicated otherwise in a credit line to the 
material. If material is not included in the article’s Creative Commons license and your intended use is not per-
mitted by statutory regulation or exceeds the permitted use, you will need to obtain permission directly from the 
copyright holder. To view a copy of this license, visit http://creativecommons.org/licenses/by/4.0/.
 
© The Author(s) 2020

https://doi.org/10.1038/s41598-020-62284-5
https://doi.org/10.2118/124882-MS
https://doi.org/10.2118/178549-PA
https://doi.org/10.1038/s41598-020-62284-5
http://www.nature.com/reprints
http://creativecommons.org/licenses/by/4.0/

	A Novel Relative Permeability Model for Gas and Water Flow in Hydrate-Bearing Sediments With Laboratory and Field-Scale App ...
	Model

	Approach. 
	Capillary pressure model. 
	Brooks-corey and other capillary pressure models. 

	Derivation of relative permeability model. 
	Derivation. 
	Model. 
	Correction for tortuosity. 



	Results

	Validation. 
	Given information. 
	Curve fitting strategy. 
	Sensitivity analysis of fitting parameters. 
	Capillary pressure term (Pe/Pmax). 
	Pore size distribution index term (λ). 
	Tortuosity correction terms . 
	Unique parameters set. 


	Numerical simulations with proposed model. 
	Gas hydrate reservoirs. 
	Kuparuk 7-11-12 reservoir. 
	Mount Elbert reservoir. 

	Numerical simulation results. 
	Kuparuk Site with 7-11-12 well. 
	Mt. Elbert (Unit D) Site with stratigraphic test well. 
	Computational execution time. 



	Discussions

	Quality of the relative permeability validation. 
	Unknown empirical parameters. 
	Implications for numerical simulation of gas hydrate reservoirs. 

	Summary and Conclusions

	Disclaimer. 

	Acknowledgements

	Figure 1 A sketch depicting (a) a simplified capillary-shaped cross-section for pore filling hydrate with fluids, and (b) its continuum-scale representation in porous media with matrix (grains).
	Figure 2 Water and gas relative permeability as estimated using the model for PF gas hydrate and its comparison with pore-scale simulation data (circular markers).
	Figure 3 Sensitivity of pe/pmax on prediction of the pore-scale simulation data at all Sh.
	Figure 4 Sensitivity of λ on prediction of the pore-scale simulation data at all Sh.
	Figure 5 Sensitivity of βi on prediction of the pore-scale simulation data at all Sh.
	Figure 6 Sensitivity of ηi on prediction of the pore-scale simulation data at all Sh.
	Figure 7 Difference between the relative permeabilities predicted by Monte Carlo simulations and the best (optimum) match obtained in validation as a function of Sw at three different Sh.
	Figure 8 Average (colored bars) and maximum (black line) production rates (after Boswell et al.
	Figure 9 Stratigraphic model of the Mt.
	Figure 10 Rates (solid lines) and volumes (dashed lines) for gas (left plots) and water (right plots) produced from the homogeneous reservoir model for the Kuparuk Site using the proposed relative permeability model (red lines) and the B-C model (black li
	Figure 11 Rates (solid lines) and volumes (dashed lines) for gas (left plot) and water (right plot) produced from the 2-D heterogeneous reservoir model (Unit D) of the Mt.
	Table 1 Fitting errors corresponding to each relative permeability curve at all Sh depicting the sensitivity of pe/pmax.
	Table 2 Fitting errors corresponding to each relative permeability curve at all Sh depicting the sensitivity of ηi.
	Table 3 Fitting errors corresponding to each relative permeability curve at all Sh depicting the sensitivity of λ.
	Table 4 Fitting errors corresponding to each relative permeability curve at all Sh depicting the sensitivity of βi.
	Table 5 Reservoir initial condition and properties for the Kuparuk Site.
	Table 6 Reservoir initial condition and properties for the Mt.
	Table 7 Relative permeability models used in the numerical simulations.
	Table 8 Computational execution time per iteration (in seconds) for each case study.


