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Abstract There are a number of challenges associated with the determination of relative permeability and

capillary pressure. It is difficult to measure both parameters simultaneously on the same sample using

conventional methods. Instead, separate measurements are made on different samples, usually with

different flooding protocols. Hence, it is not certain that the pore structure and displacement processes used

to determine relative permeability are the same as those when capillary pressure was measured. Moreover, at

present, we do not use pore-scale information from high-resolution imaging to inform multiphase flow

properties directly. We introduce a method using pore-scale imaging to determine capillary pressure from

local interfacial curvature. This, in combination with pressure drop measurements, allows both relative

permeabilities and capillary pressure to be determined during steady state coinjection of two phases through

the core. A steady state waterflood experiment was performed in a Bentheimer sandstone, where decalin and

brine were simultaneously injected through the core at increasing brine fractional flows from 0 to 1. The

local saturation and the curvature of the oil-brine interface were determined. Using the Young-Laplace law, the

curvature was related to a local capillary pressure. There was a detectable gradient in both saturation and

capillary pressure along the flow direction. The relative permeability was determined from the experimentally

measured pressure drop and average saturation obtained by imaging. An analytical correction to the brine

relative permeability could be made using the capillary pressure gradient. The results for both relative

permeability and capillary pressure are consistent with previous literature measurements on larger samples.

1. Introduction

The understanding and characterization of multiphase fluid flows within geological porous media are impor-

tant in many applications including hydrocarbon recovery, carbon storage, and contaminant transport (Blunt

et al., 2013; Fredd & Fogler, 1998; Gaus et al., 2008; Gelhar et al., 1992; Morrow & Buckley, 2011; Parker, 1989).

Fluids move through the complex capillary system comprising the pore space of the rock. At scales larger

than a millimeter, the practicalities of rock characterization and computational demands preclude the mod-

eling of fluid flow directly through this geometry, and a continuum approach is taken to model subsurface

flows. Multiphase flow is controlled by two critical parameters, which account for the impact of interfacial

forces on the fluid distribution and movement. These are the capillary pressure and the relative permeability

of each phase, both assumed to be functions of the wetting phase (brine) saturation, (Sw) (Blunt, 2017;

Herring et al., 2017; Muskat & Meres, 1936; Parker, 1989; Richards, 1931). There are, however, longstanding

limitations in the use of this formulation to accurately predict subsurface fluid flow at the scales of tens of

meters to kilometers, some of which are linked to the upscaled representation of the small—pore to meter

—scale fluid dynamics.

We summarize the continuum approach using the brine-oil system as an example, where brine is the wetting

phase, and oil is the nonwetting phase. The relative permeability for each phase can be described through

the multiphase Darcy law for one-dimensional horizontal flow (Blunt, 2017; Whitaker, 1986):

qw ¼ �
kkrw

μw

dPw

dx
(1)

qo ¼ �
kkro

μo

dPo

dx
(2)
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where q is the Darcy flow rate, kr is the relative permeability, μ is the viscosity, and P is the pressure. The sub-

scripts o and w refer to the oil and water (brine) phases, respectively. The k is the absolute permeability. The x

represents the flow direction along the sample length. The capillary pressure Pc is defined as the pressure dif-

ference between the oil and brine:

Pc ¼ Po � Pw (3)

Traditionally, capillary pressure is measured independently on different samples from those used in the rela-

tive permeability tests (Loeve et al., 2011; Masalmeh et al., 2004; Masalmeh & Jing, 2008). The porous plate

method, the mercury intrusion capillary pressure method (MICP), and the centrifuge method are the three

most widely used techniques (Darling, 2005; Hassler & Brunner, 1945; Kalam et al., 2006; Pini et al., 2012).

These tests are routinely used in the oil industry as a part of reservoir characterization known as Special

Core Analysis (SCAL; Darling, 2005; Masalmeh & Jing, 2008).

The porous plate method is considered to be the most accurate and reliable method as it ensures a

homogeneous saturation profile, allows the use of reservoir fluids, and can be used for both drainage

and waterflood processes (Kalam et al., 2006). The main limitation of this method is that it is time-

consuming, taking up to a few months to obtain the capillary pressure over the full range of saturation

(Kennedy, 2015). MICP measurements are much faster, but this technique is destructive, only studies a

small sample volume (~cm3), uses mercury as the injection fluid whose wettability may be very different

from a reservoir crude oil/brine system, and can only study drainage reliably. Centrifugation is another

method to obtain capillary pressure, but here the signal is strongly influenced by sample boundary-

effects, and it is difficult to apply reservoir conditions (Kalam et al., 2006). Finally, in none of these meth-

ods is the relative permeability also directly measured at the same time. At the core scale, a multirate

drainage experiment can be performed by injecting nonwetting phase to obtain the drainage capillary

pressure and relative permeability simultaneously at steady state (Pini et al., 2012; Pini & Benson, 2013).

However, this method cannot provide the relative permeability for the wetting phase. There would be

a significant increase in the robustness of these observations if relative permeability and capillary pressure

could be observed simultaneously, eliminating concerns over the reproducibility of samples and

displacement sequences.

For relative permeability, the steady state method is widely considered to provide the most reliable results in

the midsaturation range (McPhee et al., 2015). Here a stable fluid distribution at a known fractional flow, fw, is

established while the saturation and pressure drop are recorded. If we assume that the pressure in the oil

phase is measured, then from equation (1)–(3) we may write

fw ¼
qw

qw þ qo
¼

λw 1� dPc
dx

= dPo
dx

� �

λo þ λw 1� dPc
dx

= dPo
dx

� � (4)

where λ is the mobility defined as kkr/μ. We can then define

R ¼
dPc

dx
=
dPo

dx
¼

dPc

dPo
(5)

fw ¼
λw 1� Rð Þ

λt � Rλw
(6)

where λt = λo + λw. Since qt and fw are known, the relative permeabilities can be obtained as

kro ¼
μoL 1� fwð Þqt

kΔPo
(7)

krw ¼
μwLfwqt

kΔPo 1� Rð Þ
(8)

where ΔPo is the measured pressure drop in the oil phase over a length L. If we assume that the saturation

and the capillary pressure are both constant, and hence R = 0, we can find the relative permeabilities. This

is the approach used in traditional steady state relative permeability core-flood experiments.
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At the centimeter scale, gradients in capillary pressure are the dominant controls on the fluid saturation dis-

tribution, while the viscous effects, encapsulated in the terms without capillary pressure in the multiphase

Darcy law, are relatively small (Zhou et al., 1997). In laboratory tests, capillary pressure discontinuities at

the inlet and outlet boundaries of the rock core are the source of the capillary end effect. As a consequence,

any variation in capillary pressure is likely to lead to significant perturbations of the flow and render the brine

relative permeability estimated using equation (8) with R = 0 inaccurate, since R is not necessarily negligible.

As a result commercial petrophysics laboratories also make use of numerical history matching software to

remove the impacts of capillary pressure gradients (Archer & Wong, 1973), but this requires an estimate of

capillary pressure, which as we have already discussed, is not determined directly on the same sample.

In the reservoir, there is significant natural capillary heterogeneity throughout the rocks. The impact of this

heterogeneity can be represented using upscaled flow functions if the heterogeneity can be accurately char-

acterized in the laboratory (Li & Benson, 2015; Rabinovich et al., 2015). However, this characterization, like the

capillary end effect, requires a numerical history match of core-flood observations (Jackson et al., 2018;

Krause, 2012; Sigmund & McCaffery, 1979) and incurs similar uncertainty around the uniqueness of the

inferred multiphase flow properties.

Direct observations of pore-scale fluid curvature with simultaneous macroscopic measurements of relative

permeability would eliminate the need for the numerical history matching approach to characterizing multi-

phase flow properties. Obtaining these two quantities directly avoids the use of simplifying assumptions and

the uncertainties around uniqueness characteristic of the history matching approach. Furthermore, the mea-

surement of interfacial curvature allows the determination of a local capillary pressure within the rock. The

key aim of this work is to obtain a valid continuum property—the capillary pressure-saturation relationship

—from the fluid interface curvature at the pore scale.

In recent years, pore-scale X-ray microtomography (micro-CT) imaging has been widely used in geologically

related studies (Al-Khulaifi et al., 2018; Al-Menhali et al., 2016; Andrew et al., 2014a; Berg et al., 2013; Blunt

et al., 2013; Cnudde & Boone, 2013; Ketcham & Carlson, 2001; Lai et al., 2015; Lin et al., 2018; Lin, Al-

Khulaifi, et al., 2016; Lin, Neethling, et al., 2016; Qajar & Arns, 2016; Reyes et al., 2017; Reynolds et al., 2017;

Saif et al., 2017; Schlüter et al., 2016). In particular, imaging of multiphase flow in porous rock has been per-

formed, covering a wide range of topics, including wettability characterization based on contact angle mea-

surement, relative permeability, and curvature analysis in the pore space to estimate capillary pressure

(Akbarabadi & Piri, 2013; Alhammadi et al., 2017; AlRatrout et al., 2017; Andrew et al., 2014b; Armstrong,

Pentland, et al., 2012; Arns et al., 2003; Berg et al., 2016; Gao et al., 2017; Garing et al., 2017; Herring et al.,

2017; Krevor et al., 2012; Lin et al., 2017; Lv et al., 2017; Norouzi Apourvari & Arns, 2016).

Most relevant to this work are methods to estimate the interfacial curvature using a triangulated surface gen-

erated from segmented images (Armstrong, Pentland, et al., 2012; Li et al., 2018). The estimated curvature is

sensitive to the voxel size, image quality, the amount of smoothing, and the segmentation method, which is

evident from the range of values obtained across a single surface (Armstrong, Pentland, et al., 2012; Garing

et al., 2017; Li et al., 2018). However, at a fixed voxel size, the average curvature remains constant after a cer-

tain amount of smoothing (Andrew et al., 2014b; Garing et al., 2017; Li et al., 2018), which is used in this study

to indicate the average capillary pressure.

We build on these works to simultaneously measure the pore-scale characteristics of fluid distribution and

fluid curvature in steady state two-phase flow experiments where the average pressure differential is simul-

taneously measured. The observations are made during imbibition in an oil-brine system, in a quartz-rich

sandstone rock core. The suite of observations allows us to directly evaluate capillary pressure and relative

permeability simultaneously and independently of each other. By combining traditional continuum-scale

observational techniques with those of newly developed pore scale observations, our approach tackles key

limitations in traditional core analysis, while extending the utility of measurements obtained at the pore scale.

2. Materials and Methods

2.1. Rock Samples and Fluid Properties

The rock used in this study is Bentheimer sandstone, containing 98% quartz, 1% kaolinite/chlorite, and 1%

microcline (from X-ray diffraction analysis conducted by Panterra Geoconsultants, Netherlands). The
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average porosity of the sample is 0.24 (measured by Autopore 9520, Micromeritics). The micro-CT samples

were drilled into cylindrical cores 6.1 mm in diameter and 25.8 mm in length. The absolute permeability,

measured at the same experimental conditions, is 1.47 × 10�12 ± 0.03 × 10�12 m2 (k = 1.49 ± 0.03 D).

This was measured by injecting a single phase brine (3.5 wt % KI) while recording the pressure drop using

the apparatus shown in Figure 1.

The brine solution was made from deionized water with a prescribed amount of potassium iodide (KI). KI was

used as a solution contrast agent to enhance X-ray imaging. It has a high atomic weight and a correspond-

ingly high X-ray attenuation coefficient. In this study the 3.5 wt % KI solution resulted in brine showing an

intermediate grayscale value between the rock and oil in the X-ray imagery. Decalin (cis and trans decahydro-

naphthalene mixture with a dynamic viscosity of 3 mPa·s at 20 °C, supplied by Alfa Aesar) was selected as the

nonwetting oil phase. The viscosity of the oil, μo, is approximately 3 times higher than the brine, μw (μo/μ

w = 3). The interfacial tension between brine and decalin was measured to be 51.5 mN/m, at ambient condi-

tions measured by a Rame-Hart apparatus (590 F4 series) using the pendant drop method (Andreas et al.,

1937; Stauffer, 1965).

2.2. Experimental Methodology

The steady state flow experiment was conducted using the apparatus shown in Figure 1, which is described

inmore detail in Gao et al. (2017). The experiments were conducted in a Hassler type flow cell made of carbon

fiber epoxy with low X-ray photon attenuation. An injection head was designed, which allows oil and brine to

be injected into the sample through separate inlet points simultaneously. This avoids discrete slugs of each

fluid phase entering the rock, which can occur if both fluids are forced through a single capillary. Due to the

F
ie

ld
 o

f v
ie

w

Flow 

direction

Figure 1. Schematic diagram of the experimental apparatus, showing the pump system for flow control and the design of

the dual injection head for oil and brine (the brine pump and oil pump can inject fluid into the sample simultaneously).

Tomographic scans were taken for the middle section of the downstream core over a vertical distance of 10.4 mm.
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high permeability of the Bentheimer sample, two microcores were assembled in series (51.6 mm in total

length) to enhance the pressure signal.

In this study, steady state conditions were reached in sequence through injecting at different fraction

flows (fw = 0, 0.05, 0.15, 0.3, 0.5, 0.85, 1) with a total flow rate of 0.02 ml/min. The total injection occurred

over a period of at least 12 hr for each fractional flow step. The waiting time for each fractional flow var-

ied: we waited until the differential pressure was constant over a period of at least 1-hr. The maximum

capillary number (Ca = μV/σ, where V is the average velocity of the invading fluid, μ is the viscosity of

the invading fluid, and σ is the brine-oil interfacial tension) for the oil phase was 6.6 × 10�7 when the

fraction flow fw = 0.

The experiment was conducted using the following procedure:

1. A confining pressure of 2 MPa was applied and maintained within the cell to compress the Viton sleeve

around the core sample to avoid fluid bypass.

2. Scans of the air saturated rock sample were taken at room temperature.

3. The core was flooded with gaseous CO2 for 30 min to remove air.

4. The core was flooded with brine (doped with 30 wt% KI). After 100% brine saturation was achieved,

scans were taken of the brine saturated rock sample to characterize the porosity distribution

including porosity below image resolution using differential imaging. The detailed procedure can

be found in (Lin, Al-Khulaifi, et al., 2016). This allows the brine saturation to be accurately

calculated.

5. The core was then flooded with brine (doped with 3.5 wt% KI) again for 1,000 pore volumes to replace

the high salinity brine in the previous step.

6. Oil was injected at a flow rate of 5ml/min to initialize the imbibition steps with a low initial brine (3.5 wt%

KI) saturation.

7. The flow rate of oil was then reduced to 0.02 ml/min (fw = 0). After reaching steady state, which can be

indicated by the differential pressure transducer measurements, scans were taken to obtain the initial

brine saturation.

8. Brine and oil were both injected at the same time at fw = 0.05, with a total flow rate of 0.02 ml/min.

Injection continued until steady state was achieved indicated by a stable pressure differential. Then a

scan was taken.

9. Step 8 was repeated with different fractional flows fw = 0.15, 0.3, 0.5, 0.85, 1 while keeping the total volu-

metric flow rate constant at 0.02 ml/min. Scans were taken once steady state had been reached for each

fractional flow.

10. Steps 5–9 were also repeated without a sample inside the core holder to record the pressure dissipation

due to the flow resistance of the core holder alone.

11. The differential transducer used in this study was a Keller PD-33X, with an accuracy of ±0.3 kPa. A back

pressure of 500 kPa was applied through the entire experiment.

All the scans were taken using a Zeiss Versa 510 X-ray microscope with a flat panel detector, while fluids were

flowing at steady state. The voxel size of the images was 3.58 μm. At each steady state point with different

fractional flows, three scans were captured and stitched to a larger field of view (10.4 mm in length). The scan-

ning parameters for each scan were 80 keV, 7 W, 0.04 s exposure time, and 3,201 projections. The full size of

the scanned cylindrical sample is 1,700 × 1,700 × 4,000 (with cone effect), a subvolume 1,000 × 1,000 × 3,000

voxels has been analyzed in this study.

2.3. Image Preprocessing, Segmentation, and Fluid Curvature

After reconstruction and vertical stitching, all the images were registered to the dry scan image to have the

same orientation using normalizedmutual information and resampled using the Lanczos algorithm (Burger &

Burge, 2010). Before extracting information from image analysis, a nonlocal means edge preserving filter

(Buades et al., 2008) was applied to all the images to reduce the image noise.

The filtered grayscale image was segmented into three phases (rock grains, brine, and oil) by the use of a

seeded watershed algorithm, where a seed was generated using a two-dimensional histogram of both the

gray scale and the grayscale gradient images (Andrew et al., 2014b; Jones et al., 2007).
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In pore-scale imaging where the interface between the wetting (brine) phase and nonwetting (oil) phase can

be captured, the capillary pressure can be calculated from the curvature using the Young-Laplace law:

Pc ¼ 2σκ (9)

where σ is the interfacial tension between the brine and oil phases and κ is the mean curvature of the inter-

face, which can be defined as the average of the two principal curvatures. The curvature is found by approx-

imating the surface locally as a quadratic form. The eigenvalues and eigenvectors of this quadratic form

represent the principal curvature values and the directions of principal curvature, respectively. A surface sca-

lar field is produced where the principal radii of curvature are averaged and assigned to each element across

the interface (Andrew et al., 2014b; Armstrong, Porter, & Wildenschild, 2012). The curvature in this study was

obtained using Avizo 9.3.0.

Here a curvature analysis for the interface between wetting and nonwetting phases was performed for a

steady state experiment. A field of view 10.4 mm in vertical length was imaged with a voxel size of

3.58 μm. After image segmentation, the interface between oil and brine was captured and visualized.

The interface was then extracted for surface processing and curvature analysis. After identifying the

oil/brine interface, a smoothed surface was generated across the interface using a generalized marching

cubes algorithm (Andrew et al., 2014b; Hege et al., 1997; Lorensen & Cline, 1987). The magnitude of

A B C
1 mm

Figure 2. (a) Grayscale two-dimensional cross section of the three-dimensional image of the sample after applying a non-

local means edge preserving filter. (b) Three-phase segmentation showing rock grains (red), brine (blue), and oil (yellow).

(c) The saturation averaged in each slice along the direction of flow. The average saturation for the entire volume

is 0.53. The thickness for each slice is 3.58 μm.
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smoothing across the interface was altered by changing the size of the kernel of a modified Gauss filter

used to compute probability weights during the surface assignment. The impact of the smoothing on the

inferred distribution in curvature was used to decide on an optimal kernel, for example, the minimum

level of smoothing beyond which the character (mean and variance) of the observed curvature

distribution remained constant.

3. Results and Discussion

In the following, images obtained at fw = 0.5 are used to demonstrate the method of image segmentation

(section 3.1), the determination of capillary pressure and its variation from curvature measurements

(section 3.2 and section 3.3), and the correction of relative permeability measurements for gradients in capil-

lary pressure (section 3.4). Then the results from all fractional flows are used to construct relative permeability

and capillary pressure, as well as to assess oil phase connectivity.

3.1. Image Segmentation and 1-D Saturation Profile

The results of the image segmentation are shown in Figure 2. The average brine saturation for the scanned

region is 0.53 (computed from the entire volume). A saturation gradient can be observed in Figure 2c, indi-

cative of a capillary pressure gradient from the inlet to the outlet of the sample. This provides an

A: Segmentation and oil/brine surface extraction

B: Curvature analysis

A1 A2 A3

B1 B2 B3 B4

B5 B6 B7 B8

0.2 mm

-1)

-0.2 0.2

Figure 3. Surface identification, smoothing, and curvature calculation using a 250 × 250 × 250 voxel data set. (a) Oil/brine

interface extraction based on three-phase segmentation (A1 to A3). A1 is the grayscale image showing oil (the darkest

voxels), brine (intermediate gray voxels), and rock grains (the brightest voxels). A2 is the three-phase segmented image

showing rock grains (red), brine (blue), and oil (yellow). A3 is the extracted oil/brine interface. (b) Computed curvature map.

The surface is smoothed with different kernel sizes from 1 to 8 voxels (B1 to B8).
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independent observation with which to benchmark the direct infer-

ence of capillary pressure from the analysis of fluid curvature.

3.2. Curvature Analysis

The results of the interface extraction and the impacts of smoothing

on curvature are shown in Figure 3. The corresponding surfaces are

shown in Figure 3b. The larger the kernel size (Armstrong, Pentland,

et al., 2012), the smoother the surface and more uniform curvature

distribution, and the narrower the distribution of the mean curvature

(Figures 3b and 4).

In the curvature distribution (Figure 4), and capillary pressure distribu-

tion (Figure 5), there is measurement uncertainty caused primarily by

image segmentation. The uncertainties can be estimated by the width

of the distribution and the number of voxels with negative values at

steady state. Because this is a water-wet system, all of the curvature

values should be positive.

The error appears random, and surface smoothing preferentially

eliminates the negative values while preserving the average value

of curvature and capillary pressure. The impact of the smoothing

kernel size on the frequency histogram of the curvature distribution

is shown in Figure 4, where the width of the distribution and the

number of negative values are significantly reduced when the smoothing kernel size increases. As the ker-

nel size increases from 1 to 8 voxels, the percentage of points with negative curvature values decreases

from 45 to 7.5%. When the kernel size is 5 voxels or greater, the curvature distributions no longer change

significantly. The average curvature for the distribution, which is used as the macroscopic capillary pressure

for the system, changes by less than 1%. We therefore use the average curvature with kernel size of 5 to

estimate the capillary pressure.

These observations of uncertainty are consistent with other studies, which have quantified the likely error in

the measurements (Andrew et al., 2014b; Armstrong, Pentland, et al., 2012; Garing et al., 2017). In particular, Li

et al. (2018) performed an error analysis by using capillary tubes with different known radii. The curvature

measurement error was up to approximately 9% with a minimum radius of 10 pixels. In this study, the

Figure 4. Frequency distributions of the curvature of the oil-brine interface with

different smoothing kernel sizes. A kernel size of 5 voxels was used to infer the

capillary pressure.

A

B

F
lo

w
 d

ire
c
tio

n

sr
e

y
al

0
3

10 blocks

C

4.2 kPa1 kPa

Pc

Figure 5. (a) Visualization of the average capillary pressure distribution for the entire volume (1,000 × 1,000 × 3,000 voxels, 3,000 subvolumes in total with a

dimension of 100 × 100 × 100 voxels). Green indicates higher capillary pressure, while blue indicates lower capillary pressure. (b) The average capillary pressure

distribution along the flow direction within the sample (30 blocks in length) showing a decrease in capillary pressure in the flow direction. The color map indicates

the location where the average capillary pressure is calculated. (c) The average value of the capillary pressure along the sample with an estimated gradient of

�40.7 ± 4.1 kPa/m. The error represents the 95% confidence bounds. Distance is measured along the direction of flow from the injection side of the imaged volume

shown in Figure 1.
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minimum radius is about 18 μm with a voxel size of 3.578 um (9.8 pixels).

For a mean capillary pressure of 2.5 kPa obtained from curvature measure-

ment, the uncertainty of the measurement for the mean capillary pressure

is approximately ±0.2 kPa.

3.3. Quantification of Local Capillary Pressure Using

Curvature Analysis

To obtain the local capillary pressure and its heterogeneity within the sam-

ple, the segmented volume (1,000 × 1,000 × 3,000 voxels; Figure 2b) was

divided into 3,000 subvolumes (30 layers along the flow direction and

10 × 10 subvolumes per layer). Each subvolume has a dimension of

100 × 100 × 100 voxels. The smoothed oil/brine interface for the entire

image (all 3000 subvolumes) was generated using a kernel size of 5 voxels

for the smoothing process.

A visualization of the average capillary pressure distribution for all the sub-

volumes is shown in Figure 5. The capillary pressure for each subvolume

was obtained from the mean of the curvature distribution using the

Young-Laplace equation (9). The average capillary pressure across the core

at each point in the direction of flow is also shown. Matching the trend in

saturation, there is a trend of decreasing capillary pressure along the direc-

tion of flow. This suggests that a layer (1,000 × 1,000 × 100 voxels) is a sui-

table spatial scale over which to derive a capillary pressure-saturation

relationship. The correction to estimates of relative permeability is

obtained from equation (5) with R = 0.223. For the other fractional flows,

the gradient in capillary pressure was smaller with, consequently, lower

values of R.

We can also evaluate the consistency between the average curvature,

capillary pressure, and saturation, shown in Figure 6, by evaluating the gra-

dient of capillary pressure through:

dPc

dx
¼

dPc

dSw

dSw

dx
(10)

Substituting values (dPc/dSw = � 3.3 ± 0.8 kPa and dSw/

dx = 9.7 ± 1.7 m�1) into equation (10), the estimated capillary pressure

gradient along the sample is �32.3 ± 9.8 kPa/m, showing consistency

in the relationship between capillary pressure measured by fluid curva-

ture at the pore scale and the average fluid saturation averaged over

the sample (�40.7 ± 4.1 kPa/m in Figure 5d). This suggests that using

pore-scale curvature measurements can be used to assess capillary

pressure and its variation throughout a sample. The values of R for

each fraction flow were calculated and are shown in Table 1 in

section 3.4.

The Pc � Sw relationship evaluating data from all of the fractional flows

is shown in Figure 7. The drainage capillary pressure was measured by

mercury injection (MICP) and the value of interfacial tension has been

scaled to the oil/brine system. We also plot drainage and imbibition

capillary pressure measured using the porous plate technique on a

Bentheimer sandstone by Raeesi et al. (2014) where we have again

scaled the interfacial tension for comparison with the oil-brine fluid sys-

tem used in this work. The drainage curves always lie above those for

imbibition: contact angle hysteresis, trapping, and different pore-filling

processes all contribute to lower capillary pressures for imbibition

(Blunt, 2017).

Figure 6. (a) Average saturation against distance (dSw/dx) along the flow

direction. (b) Capillary pressure changes against saturation (dPc/dSw) for

each layer along the flow direction. The drainage capillary pressure from

mercury injection is also shown. Both errors represent the 95% confidence

bounds.

Table 1

Relative Permeability of the Oil and Brine Phases With and Without Capillary

Pressure Calibration

fw Sw R kro krw (uncorrected) krw (corrected)

0 0.144 N/A 0.686 0 0

0.05 0.461 0.049 0.175 0.003 0.003

0.15 0.481 0.042 0.140 0.008 0.009

0.3 0.518 0.053 0.097 0.014 0.015

0.5 0.527 0.223 0.064 0.021 0.027

0.85 0.575 0.119 0.017 0.031 0.036

1 0.617 0.142 0 0.067 0.079
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We compare these results with our measured average capillary pressure across the whole volume and the var-

iation of values within each layer (1,000 × 1,000 × 100 voxels). In this plot values for the full range of fractional

flows are shown. It can be seen that in this water-wet system, during the imbibition process, there is a wide

range of saturation within the sample; however, the capillary pressures at different fractional flows are similar

and lower than the values for drainage. To observe a wider range of imbibition capillary pressure from curvature

measurements, more fractional flow points need to bemeasured in the ranges 0< fw< 0.05 and 0.85< fw< 1.

Note that the porous plate and MICP measurements are in good agreement with the MICP data for drainage,

while the porous plate and our curvature values for imbibition also correspond. This provides an independent

check that our measurement of curvature can provide accurate estimates of continuum-scale capillary pressure.

Figure 7. The average capillary pressure for (a) all of the oil phase and (b) the connected oil phase only against average

saturation for each layer along the flow direction at different fractional flows. The capillary pressure for drainage from

mercury injection (MICP) and the capillary pressure values for imbibition from curvature measurements are compared with

measurements in a Bentheimer sandstone, for both drainage and imbibition, measured using a porous plate method by

Raeesi et al. (2014). All the values have been corrected to the interfacial tension (51.5 mN/m) and contact angle (0°) for our

system. For the air-mercury system, the interfacial tension was estimated to be 485 mN/m and the contact angle was

estimated to be 140°. For the air-brine system used in Raeesi et al. (2014), the interfacial tension was 71 mN/m and the

contact angle was assumed to be 0°. The initial brine saturation Swi in this study was 0.144 and 0.103 in Raeesi et al. (2014).
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In Figure 7 we also show the capillary pressure when we consider only oil that is connected across the imaged

volume. This excludes all the oil at fw = 1, since the oil is at residual saturation, but has little effect on the results

for the other fractional flows, wheremost of the oil is connected. This results in an even closermatch to the data

collected with the porous plate approach as it excludes some high values of capillary pressure in trapped

ganglia, which are blobs of oil entirely surrounded by brine that cannot flow. The local curvature indicates

the capillary pressure when the oil was trapped and not the prevailing value for the connected phases.

3.4. Estimate of Relative Permeability Corrected for the Capillary Pressure Gradient

Figure 8 shows the pressure differential across the entire rock sample at each fractional flow and the corre-

sponding mean value and standard deviation during the final 3 hr of injection. In all cases, the constant pres-

sure differential implies steady state while the core was scanned.

Figure 8. The measured pressure differential on the oil line using a differential pressure transducer at steady state for 3 hr

before starting the scan at different fractional flows. The mean pressure drop and standard deviation are shown.
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Using the samemethod as Gao et al. (2017), the relative permeability for both the oil and brine phases can be

calculated, assuming that the capillary pressure is constant through the sample: this assumes that R = 0 in

equation (8). Applying the method demonstrated in section 3.3, the capillary pressure differential along the

sample at each fractional flow can be obtained. The correction to estimates of relative permeability are then

obtained from equation (5) with R = 0.223. Using equations (7) and (8), and μo/μw = 3, the relative

C

B

A

Figure 9. (a) Imbibition relative permeabilities calculated at steady state for brine-oil imbibition shown by the blue and

red lines. The results are compared to the millimeter-scale experimental data by Gao et al. (2017), three sets of

centimeter-scale experimental data by Alizadeh and Piri, (2014), and five sets of centimeter-scale experimental data by

Reynolds, (2016). (b) Relative permeabilities for the oil and brine phase with andwithout the capillary pressure calibration. A

zoom in plot for the highlighted region, shown in (c). The error bars consider uncertainties in the measurement of the

length and diameter of the sample, the absolute permeability, pressure measurements, and the pump rates.
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permeability for eachphasewith andwithout the capillary pressure correction is shown in Table 1 and Figure 9.

It can be seen that at high brine saturation, the capillary pressure effects have a larger impact on the relative

permeability. The effects in this case are small because of the nature of the rock, which is homogeneous with

a highpermeability. In general, this allows for significant improvements in the accuracy of the determination of

relative permeability with simultaneous but independent observations of relative permeability and

capillary pressure.

Also note that the results are consistent with previous measurements of relative permeability, both on small

samples of the same size as here (Gao et al., 2017) albeit without the capillary gradient correction, and steady

state measurements on larger cores (Alizadeh & Piri, 2014; Reynolds, 2016). This again provides confidence in

the results present here.

4. Conclusions and Outlook

We have demonstrated an experimental method to simultaneously measure capillary pressure and relative

permeability during a steady statemultiphase flowexperiment through a homogeneous sandstone. The capil-

lary pressures along the sample at different fractional flows have been obtained from the quantification of the

fluid interface curvature. In this sample, while we see little variation in capillary pressure perpendicular to the

flowdirection,wedo see a clear gradient in capillary pressure along thedirectionofflow. This is amanifestation

of the well-known capillary end effect. While we can impose a constant fractional flow we cannot guarantee

that the capillary pressure is locally constant. However, from our measurements we are able to quantify the

effect and correct for it in the estimation of relative permeability. This is something that cannot be easily done

using conventional methods unless an independent measurement of capillary pressure is made.

Overall, from a single experiment where macroscopic measurements are combined with pore-scale determi-

nations of local curvature, we can specify both relative permeabilities and capillary pressure while accounting

for capillary gradient effects. Our measurements agree with values in the literature measured on

larger samples.

This method can be further applied in more heterogeneous cores by combining the direct measurement of

the local capillary pressure using this curvature-based method with a numerical iterative approach to fully

characterize and predict multiphase flow behavior in porous media (Jackson et al., 2018). This methodology

can also be used to study more complex rocks and mixed-wet systems.

The main limitations for the study demonstrated in this work are twofold: limited sample size, and that only

the pressure drop for the entire sample can be measured (the pressure drop in only the scanning region can-

not be directly measured easily). However, with the continued development of laboratory-based micro-CT

systems and synchrotron light sources, the trade-offs between image resolution and field of view can poten-

tially be improved. This allows the design of new experimental approaches that would enable a larger sample

size to be studied, while continuing to provide pore-scale information. Regarding the pressure measurement,

the issue can be resolved by scanning the sample from inlet to outlet to capture the local capillary pressure

for the entire sample. Furthermore, more fractional flow points are required to obtain a wider range of the

capillary pressure and relative permeability.
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